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Utilities are expected to tackle a 
range of emerging issues – such as 
advanced outage management, 

integration of renewable generation, 
and cyber security – yet they are held to 
regulatory standards set in the first half of 
the last century. In order to modernize our 
power grid, we should first modernize the 
regulatory model so that it incentivizes 
investment, efficiency and innovation.



3

Creating a Modernized Grid Requires 
Modern Regulation
Today’s electric distribution companies face a fundamental 
dilemma as they plan for the future design and operation of 
their networks. Increasingly, these utilities are expected to 
improve their resilience during severe weather events, replace 
aging infrastructure, integrate greater quantities of distributed 
and variable renewable generation, and secure their systems 
against cyber and physical attacks. Yet these expectations 
arise at a time of slow growing, flat, or declining sales – a trend 
that impedes a utility’s ability to recover its fixed costs and 
discourages much-needed capital investment.

This dilemma is rooted in the fact that the rates of most 
electric distribution utilities continue to be set under a model 
focused on reviewing utility costs.  Utilities face a regulatory 
lag between when they make an investment and can recover 
their costs in rates, which can negatively impact cash flow.  
During a period of rising costs but slowly growing sales, this 
lag can impair a utility’s earnings and compel it to defer 
discretionary investments that could benefit customers. 
Moreover, cost of service regulation can slow the pace of 
innovation and may offer little incentive for utilities to improve 
operational efficiency or service quality beyond the minimum 
levels set by regulators. 

Some regulators have experimented with alternative models 
– including capital trackers or multi-year revenue caps – 
to provide either greater support for new investments or 
stronger incentives for utilities to reduce costs.  However, 
such alternatives may not effectively integrate incentives for 
efficiency, innovation, and service quality. A new regulatory 
model may be needed to create a twenty-first century power 
grid and enable utilities to deliver greater value to customers.

An Emerging Regulatory Model: 
Results-Based Regulation
As regulators look for a means to meet industry challenges 
without discarding the traditional objectives of regulation, 
a results-based model offers an attractive alternative. 
Results-based regulation is designed to support investments 
that deliver long-term value to customers, reward utilities 
for exceptional performance, and remain affordable by 
encouraging operational efficiencies and sharing the cost 
savings with customers.

One example of such an approach is the United Kingdom’s 
newly-adopted “RIIO” model, or “Revenue set to deliver strong 
Incentives, Innovation and Output.” Its major components 
include:
   Revenues set based on the regulator’s review of a 

forward-looking utility business plan;

   A multi-year revenue cap that provides an incentive for 
cost reductions;

   An earnings-sharing mechanism that enables customers 
to benefit from utility cost savings; 

   Clearly defined performance metrics and incentives for 
delivering value to customers; and

  Funding set aside for innovative projects.

The goal of this paper is to advance conversations on  
the design of forward-looking regulatory models that can 
meet today’s challenges. It examines the benefits of 
modernizing the power grid, the development and limitations 
of cost of service regulation, the incentives provided by 
alternative approaches to regulation, and how a results-driven 
regulatory model could support the transition to an efficient, 
reliable, and sustainable power system.

Executive Summary
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Introduction 
Electric distribution companies play a critical role delivering 
the electricity that powers our lives and businesses. But today 
these utilities face new challenges. They are expected to 
maintain a power grid that is resilient in severe weather, secure 
from cyber and physical attacks, and capable of integrating 
the renewable resources required to support a transition to a 
low-carbon economy. Creating a twenty-first century power 
system that is affordable, resilient, and environmentally 
sustainable will require investment in new technologies and 
utility business models that deliver greater value to customers.

The investor-owned electric distribution companies, which 
serve 70% of U.S. consumers, are regulated by state 
commissions. Most commissions set rates for these companies 
based on a cost of service model. Cost of service regulation is 
a quasi-judicial process that focuses on the reasonableness 
of historical or near-term utility costs. It typically requires 
the utility to justify incremental changes from previously 
accepted practices. While cost of service regulation supported 
the twentieth century expansion of electric service, it did 
so largely during periods of falling costs and increasing 
sales. Today, electric companies face increasing costs and 
investment requirements with slow growing or declining sales. 
In this environment, cost of service regulation can create 
impediments to the development of the modern power system 
needed to meet today’s challenges.

This paper examines the benefits of modernizing the power 
grid, the development and limitations of cost of service 
regulation, the incentives provided by alternative approaches 
to regulation, and how a results-driven regulatory model 
would better support the transition to an efficient, reliable, and 
sustainable power system.
 

Utilities around the country are reporting  
benefits from early stage grid modernization  
efforts involving improved outage 
management systems and advanced 
metering, as well as improvements in 
monitoring and data analytics. Replacing 
aging electric infrastructure with a modern 
grid can play a key role in ensuring the 
nation’s economic prosperity.

Creating a Modern Power Grid

Across the economy—from aircraft to automobiles and from 
manufacturing to entertainment—industries have adopted 
digital controls and technologies to drive down costs and, in 
many cases, improve the quality of products and services 
provided to customers. Electric utilities are starting a similar 
transition from delivering power produced in distant facilities 
to a model in which resources are located closer to the 
customer, providing them with access to enhanced levels  
of service.

The integration of modern information and communications 
technologies into distribution utility operations is central to 
creating a modern grid, often called a “smart” grid. And just as 
these technologies have produced material benefits in other 
sectors, a smart grid can produce significant benefits in the 
power sector.

The Electric Power Research Institute estimated in 2011 that 
national deployments of smart grid technologies could produce 
net economic benefits over the 20-year period through 2030 of 
$1.3 to $2.0 trillion. To deliver these benefits, utilities would need 
to invest roughly $17 to $24 billion per year, with an average 
benefit to cost ratio between 2.8 to 1 and 6 to 11. 

While the United States remains in the early stages of 
modernization, utilities across the country are reporting 
promising results: 

  Distribution systems are becoming more reliable and resilient 
as utilities become better able to minimize the impacts of 
power outages. The monitoring and control capabilities of 
fault detection, isolation, and restoration schemes, as well as 
advanced feeder restoration systems, are enabling utilities 
to isolate outages while maintaining service to surrounding 

Creating a twenty-first century power 
system that is affordable, resilient, 
and environmentally sustainable will 
require investment in new technologies 
and utility business models that deliver 
greater value to customers.
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customers. Initial results from the implementation of such  
self-healing systems on 1,250 distribution feeders at four 
utilities, funded through Department of Energy investment 
grants, identified a reduction in the average frequency of 
customer outages of 11% to 49%, as well as reductions in the 
average duration of customer outages of up to 56%.2  
The development of advanced distribution management 
systems should further enhance the ability of operators to 
minimize the impact of outages.

  Outage restoration is being accelerated by the combination 
of improved outage management systems and advanced 
metering. Advanced Metering Infrastructure (AMI) provides 
utilities real-time visibility regarding when customers are 
affected by an outage and when their service is restored. 
Historically, utilities had to wait for customers to report an 
outage and might have to walk along and visually inspect their 
lines to determine which portions of a circuit were impacted. 
By bringing data on outages and service restoration into an 
advanced outage management system, the distribution utility 
can efficiently deploy its personnel to restore service and 
provide customers better estimates of when service will be 
restored. Together, these capabilities can cut days off of  
the time required to restore service following a severe  
weather event.

 Voltage levels can be monitored and controlled in real-time 
throughout the distribution system. By providing only as much 
voltage as the system requires, Volt-VAR Optimization systems 
have enabled utilities to reduce the amount of generation 
required to serve some circuits by as much as 2.5%3 to over 
5%.4 In a comprehensive national deployment, this would 
be expected to result in a 3.2% reduction in annual energy 
consumption and a 5.2% reduction in CO2 emissions from 
electric generation.5 

  Advanced meters and time-differentiated pricing have enabled 
some utilities to achieve significant reductions in peak demand.6 
When accompanied by enabling technologies in the home, 
these programs have produced reductions of 30% or more 
in customer demand during critical peak periods.7 When 
implemented at scale such programs might enable utilities 
to reduce peak demand by more than 20%,8 reducing the 
need for power plants as well as transmission and distribution 
investments. The flexibility of dynamic pricing also would allow 
for easier integration of variable renewable resources.

  Advances in monitoring and data analytics are enabling 
utilities to: reduce costs through improved load forecasts; 
to reduce losses and theft of service; lower costs by moving 
from scheduled maintenance to more reliable condition-
based maintenance. Monitoring and analytics also play 
key roles in ensuring the security of both existing and new 
information systems. 

Today’s power grid isn’t just about 
delivering power. Today’s power grid is 
about a service that mitigates the effects of 
storms, integrates renewable energy, and 
secures the electric sector against cyber 
and physical attacks. As utilities face the 
need to increase capital expenditures to 
replace aging infrastructure and update 
their systems, they also are facing slowly 
growing or declining sales. It is likely that 
utilities will respond to slow revenue 
growth paired with rising costs by deferring 
investments. This strategy will ultimately 
leave our country with an outdated power 
grid and prove costly to consumers.

Challenges for the 
Utility Business Model

Much of our electric infrastructure was built more than 40 years 
ago and is in need of replacement and modernization.  
In a typical utility, as many as three-quarters of the wooden 
poles and half of the transformers may be approaching or 
beyond the end of their expected service lives. The American 
Society of Civil Engineers (ASCE) estimated in 2011 that 
maintaining the U.S. electric infrastructure will require $673 
billion in new investment by 2020.9 The ASCE is not alone in 
suggesting that the power system needs significant new 
investment.10 To put these investment requirements in context, 
as of December 31, 2012, the total market capitalization of U.S. 
shareholder-owned electric companies was $463.9 billion.11  
The ASCE forecasts that there will be significant economic 
consequences if the electric sector fails to close the  
investment gap: 

“As costs to households and businesses 
associated with service interruptions 
rise, GDP will fall by a total of $496 billion 
by 2020. The U.S. economy will end up 
with an average of 529,000 fewer jobs 
than it would otherwise have by 2020…. 
In addition, personal income in the U.S. 
will fall by a total of $656 billion from 
expected levels by 2020.”12 
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Electric utilities have increased their capital expenditures 
since 2007. However, this has had a negative impact on the 
utilities’ cash flow. In 2012, capital expenditures and dividends 
exceeded the net cash from operations of investor-owned 
electric companies by $26.7 billion.13 Over the period from 
2007 to 2012, the companies had a net cash deficit of more 
than $132 billion.14 Although utilities have been able to finance 
this deficit during a period of relatively favorable interest rates, 
it is unclear whether the industry will be able to sustain the 
required pace of investment. Currently, 58% of electric utilities 
have a Standard and Poor’s credit rating of BBB or lower.15 
Twenty years ago, only about one in five electric utilities had 
such low ratings.16 

Electric utilities also are facing slow growing, flat, or declining 
sales. Total U.S. electricity sales declined by 1.8% in 2012 and 
have fallen in four of the last five years.17 Despite a moderate 
economic recovery, electricity sales remain below pre-
recession levels. The U.S. Energy Information Administration 
and many utility load forecasters are predicting less than 
1% growth in electricity deliveries in coming years.18 This 
represents the continuation of a long-term decline in the 
growth of electricity demand that began in the 1950s.  
Factors that will continue to limit or prevent growth in 
electricity sales include: expanded utility energy efficiency 
programs that have been projected to offset a majority of load 
growth through 2025,19 revisions to state and federal efficiency 
codes and standards such as the standards for appliances and 
federal facilities highlighted by the President’s Climate Action 
Plan;20 the falling cost and associated growth in demand of 
customer-sited photovoltaic (PV) generation; the potential 
growth in gas-fired combined heat and power generation;21 
and fuel switching from electricity to natural gas for certain 
heating, cooling and industrial process applications. 

In the conventional regulatory model in which most fixed 
costs are recovered through volumetric rates charged on a 
per- kilowatt hour basis, slow growing or declining sales will 
tend to increase customer rates. Increasing rates could further 
depress sales, nibbling away and eventually creating a self-
reinforcing cycle that undermines a utility’s business model.

Some utilities may respond to the combination of declining 
sales growth and increasing costs primarily by cutting 
operating expenses, deferring investments, and hoping for a 
resumption of robust growth in sales. However, this strategy 
fails to address the significant challenges facing the industry 
and may prove more costly to customers in the long-term. As 
a result, our country faces a fundamental question: how to 
structure a regulatory model that supports needed investment 
and expenditures, drives efficiency improvements so that 
service remains affordable for customers, and creates a 
sustainable business model for the utilities. 

The Development of Cost  
of Service Regulation
In 1898, Samuel Insull, the first President of Commonwealth 
Edison in Chicago, proposed a grand bargain in which local 
electric companies would receive exclusive franchise service 
territories, “… coupled with the conditions of public control, 
requiring all charges for services fixed by public bodies to 
be based on cost plus a reasonable profit.”22 By the early 
twentieth century, state regulation of public utilities became 
a common practice, as distribution companies accepted 
the obligation to provide service and regulation of the rates 
that they could charge. Regulation would protect customers 
from utility monopolies charging unreasonably high or 
discriminatory prices, and would ensure that these  
companies provided satisfactory service.

Since the 1940s, regulation has been based on providing utility 
investors the opportunity to earn a return on the historical 
costs of their investments commensurate with returns 
on investments having similar risks.23 As specified in state 
statutes, commissions set rates designed to recover prudent 
and reasonable costs used in providing service to customers. 
In some states, regulators review historical costs, while in 
others, the utility may file an application based on a near-term 
forecast of its costs.24 

Most of an electric distribution company’s 
costs are fixed, recovering investments 
in poles, wires, and other equipment. 
However, most of their revenue is 
collected in volumetric rates charged 
on a per-kilowatt hour basis. As a result, 
conventional regulation may help finance 
investment in instances when the utility’s 
revenue growth exceeds increases in 
its costs, but would provide inadequate 
incentives for investment when cost 
increases exceed revenue growth. 

Over time, policymakers have sought to maintain a balance 
between utility and consumer interests by adjusting the basic 
cost of service model. For example, an increase in interest rates 
and a decline in sales growth in the 1970s led some regulators to 
allow their utilities to begin recovering some of the costs of large 
projects while construction work was still in progress. However, 
significant overruns in the cost of generating facilities in the 1980s 
led regulators to disallow recovery of more than $15 billion.25 

In the 1980s, regulators also experimented with incentive 
regulation, initiated integrated resource planning reviews, 
and began requiring utilities to implement energy efficiency 
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programs. With the success of utility efficiency programs, 14 
states have implemented rate adjustment mechanisms that 
“decouple” electric distribution company revenues from sales.26 
Decoupling removes a disincentive to utilities effectively 
implementing efficiency programs. 

Early experiments with market-based rates for generation and 
continuing dissatisfaction with prices in high-cost jurisdictions 
helped spur industry restructuring in the 1990s. Restructuring 
included the development of organized wholesale generation 
and transmission markets impacting more than 60% of 
U.S. electricity consumers and competitive retail access 
to generation services for some or all customers in 21 
jurisdictions. 

Long-term rate plans were established in a number of 
jurisdictions during the transition to retail competition. Some 
jurisdictions also experimented with performance based 
regulation and earnings sharing mechanisms. Many of the 
experiments with performance-based ratemaking adjusted 
rates based on changes in a price index for the broader 
economy, less a commission-determined benchmark for 
productivity improvements based on past productivity gains 
at comparable firms. These experiments focused on incentives 
for reducing utility operating expenses. They typically did 
not address the need for greater capital expenditures, which 
continued to be recovered based on cost of service principles. 

More recently, a few jurisdictions have adopted tracker 
mechanisms to facilitate selected investments or formula rates 
that track utility costs more generally. Taken together, these 
changes illustrate the capacity of regulators and legislatures 
to develop innovative approaches to regulation. However, 
with the exceptions of revenue decoupling and the use of 
alternative rate mechanisms in selected jurisdictions, the 
major policy changes of the last few decades have addressed 
the regulation of generation, transmission, and retail services, 
as well as the opening of these portions of the industry to 
competition. On the distribution front, most utilities continue  
to recover their costs through traditional cost of  
service regulation.

In 1898, Samuel Insull  
proposed that local electric 
companies be given 
exclusive franchise  
service territories

In the 1940s,  
as specified in state 
statutes, commissions set 
rates designed to recover 
prudent and reasonable 
costs used in providing 
service to customers.  
In some states, regulators 
review historical costs.  
In others, the utility may 
file an application based 
on a near-term forecast  
of its costs.

In the 1990s,  
restructuring would 
include the development 
of organized wholesale 
generation and transmission 
markets impacting more 
than 60% of U.S. electricity 
consumers and competitive 
retail access to generation 
services for some or  
all customers in  
21 jurisdictions. 
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The 1970s saw interest 
rates up and sales growth 
down which led to utilities 
recovering some of the 
cost of large projects while 
construction work was 
still in progress. However, 
significant overruns in the 
cost of generating facilities 
in the 1980s led regulators 
to disallow recovery of 
more than $15 billion. 

Timeline of Cost of 
Service Regulation
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Consumers are losing out on the full 
value a utility could provide if it were 
properly incentivized to invest in modern 
electrical infrastructure. Cost of service 
regulation was not designed to evaluate 
investments that deliver enhanced value 
to customers, and instead often focuses 
on minimizing utility costs. Moreover, 
in a period of increasing investment 
requirements and slowly growing or 
declining sales, cost of service regulation 
can impair a utility’s ability to earn its 
authorized return.

Limitations of  
Cost of Service Regulation

Regulation has focused on preventing utilities from charging 
unreasonable or discriminatory prices or providing inadequate 
service, while ensuring utilities an opportunity to earn a 
reasonable return on their investments. Preventing the 
undue exercise of utility monopoly power will continue to be 
a central consideration in any regulatory model. However, 
regulators and policymakers also should consider longer-term 
interests and objectives. Regulation should be a means of both 
resolving conflicts between consumer and utility interests and 
providing incentives for the utility to be efficient and deliver 
long-term value to customers. The question facing regulators 
and policymakers is whether conventional cost of service 
regulation, in the current environment, can fulfill both of  
these objectives.

Although an innovative regulator can find ways within the 
conventional model to reward superior performance and 
innovation or pay closer attention to a utility that has performed 
poorly, commissions are constrained by their statutory 
authority, judicial precedents, and the fact that they must decide 
cases based on the record presented in each proceeding. A 
commission can open an investigation to explore an emerging 
issue. However, limited resources and a docket filled with 
conventional cases can present practical limitations on the 
ability of regulators to explore new issues or develop alternative 
approaches.  Some limitations observed in the conventional 
implementation of cost of service regulation could be addressed 
through a commission-initiated proceeding or by encouraging 
the commission’s staff or other parties to present additional 
information in an existing case. Other limitations could be 
addressed in a utility’s rate application, or through statutory 
changes by a state legislature. 

Quasi-Judicial Proceedings
Rates typically are set through a quasi-judicial proceeding 
in which the utility files a lengthy application and testimony 
detailing the cost basis for a requested increase in rates. The 
commission staff will review the application. Other parties that 
have an interest in the proceeding can intervene. The parties 
undertake a formal discovery process and additional testimony 
is filed. There is a hearing before either an administrative law 
judge or the commission (depending on the jurisdiction). The 
parties file legal briefs, and the commission makes a decision 
based on the record presented in the proceeding. 

In some cases, the parties may reach an agreement stipulating 
to a result that is recommended to the commission. While 
such agreements can provide parties greater flexibility, if one 
or more parties do not agree, the case may revert back to a 
litigated process. 

Litigation can work well when the relevant questions can be 
answered based on historical facts. However, it may not be the 
ideal process for gathering broad public input and making the 
type of risk and value judgments that utilities and regulators 
increasingly face, including:

How reliable and resilient should the power system be, given 
increasingly frequent severe weather events?

What is an appropriate level of cyber and physical security 
for different systems and facilities?

What should be the utility’s responsibility for developing a 
system which can readily accommodate distributed and 
renewable resources?

How should the utility’s responsibility be reconciled with the 
responsibility of the distributed resource owner or customer to 
help pay for the distribution system?

Such judgments need to evolve as issues are explored, conditions 
change, and technologies develop.

Use of Incremental Analysis
Cost of service regulation focuses on the reasonableness 
of input costs for providing utility service. Utilities often are 
asked to justify significant changes from practices previously 
accepted by the regulator by demonstrating that the change 
will result in a net present value reduction in utility costs. This 
incremental cost analysis assumes the utility will continue to 
provide the same fixed set of outputs, yet distribution utilities 
are increasingly expected – and many cases, required – to 
perform fundamentally new functions, including:
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Make the power grid resilient in 
the face of more frequent severe 
weather and disruptive events: 

With greater dependence on digital technologies, 
customers need a power system that can quickly rebound 
from service disruptions. The replacement and hardening 
of aging assets may be one way to improve resilience 
because less equipment will fail in a storm. Additionally, 
a resilient distribution system could reconfigure around 
a failure, rely on distributed resources and self-islanding 
microgrids to maintain service to high value loads, and 
accelerate service restoration through more efficient 
outage management and advanced meters that identify 
in real-time when a customer’s service is interrupted and 
has been restored.

Integrate distributed and 
variable renewable generation:

Historically, the grid was designed to move power in 
one direction—from central station generators located 
on high-voltage transmission lines to customers at the 
end of distribution wires, extending radially from the 
substations that step down voltages to distribution levels. 
Utilities did not plan for customer-owned generation on 
the distribution system. Distributed generation requires 
changes in distribution planning, control, and protection 
systems. Moreover, as rooftop PV generation becomes 
more widely deployed, the power system will need to 
be capable of managing large, rapid shifts in load and 
generation. For example, the California Independent 
System Operator has estimated that by 2020 the 
combination of evening peak loads and simultaneous 
reductions in customer-sited PV generation in some 
months could increase net load across the state from less 
than 14,000 MW to more than 26,000 MW in just a three-
hour window.27

 

Transmission, generation, and certain distribution 
protection systems will be covered by North American 
Electric Reliability Council Critical Infrastructure Protection 
Standards.28 However, compliance with these standards 
is only a first step toward making the grid secure. 
Electric utilities have become the front-line defenders of 
critical national infrastructure. As the recent Presidential 
Executive Order on Improving Cyber Security states, 
“The cyber threat to critical infrastructure continues to 
grow and represents one of the most serious national 
security challenges we must confront.”29 Utilities also must 
consider the possibility of physical or combined physical 
and cyber attacks.30 The National Academy of Sciences 
has found that, “Economic costs from a carefully designed 
terrorist attack on the U.S. power delivery system could be 
as high as hundreds of billions of dollars.”31 Protecting the 
grid from both threats of deliberate sabotage and the risk 
of introducing inadvertent errors into increasingly complex 
control systems will require a significant, ongoing  
security program.

Secure the grid from cyber  
and physical attacks:

Meeting new requirements relating to resiliency, integration 
of renewable generation, and cyber attacks will require 
changes in the design of the electric distribution grid and its 
control systems. The core functions of the distribution utility 
will expand as it becomes a system operator, integrator, and 
defender. The utility will deliver greater value to customers, but 
at a higher cost.

These changes can be more than simple extensions of 
baseline expenditures and business-as-usual practices. The 
form of cost-benefit analysis often presented in rate cases 
focuses narrowly on utility costs, and is not well suited to 
addressing such changes. Specifically, such analysis may fail 
to consider the following elements: the value of uninterrupted 
electric service to different customers; the loss of options from 
selecting technologies that have lower initial costs, but limited 
capabilities; assessments of external risks; societal costs; 
opportunities for innovation; and how to provide meaningful 
incentives for utilities to deliver greater long-term value to 
customers. These forward-looking considerations can be 
important when deciding how best to meet new requirements 
and emerging customer expectations.
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Misaligned Incentives
Rate regulation is intended to mirror the “pressures of 
competitive markets, to prevent regulated companies from 
becoming high cost-plus companies.”32 Indeed, “the single 
most widely accepted rule for the governance of the regulated 
industries is to regulate them in such a way as to produce the 
same results as would be produced by effective competition, 
if it were feasible.”33 In the current environment of increasing 
costs and slow growth, cost of service regulation often fails to 
provide comparable incentives for investment, efficiency,  
and innovation.

In cost of service regulation, there is a lag between the time 
a utility makes a capital expenditure and when it begins to 
recover its costs following the subsequent rate case. This lag 
has a negative impact on cash flow, and, to the extent the 
utility is not accruing a return equal to its cost of capital, it can 
also reduce the utility’s earnings. During a period of rising costs 
and investment requirements but slow growing or declining 
sales, this can impair a utility’s ability to earn its authorized 
return. If earnings are significantly impaired, the utility may 
be spurred to defer discretionary investments that would 
otherwise benefit customers. 

A fundamental assumption of cost-of-service regulation is that 
the time between rate cases creates an efficiency incentive 
because the utility would retain any firm-wide cost savings.  
An external regulator cannot readily identify all the 
opportunities that a utility may have to operate more 
efficiently and reduce its costs. An incentive to reduce costs 
between rate cases provides the regulator an opportunity to 
observe savings realized by the utility and factor a lower cost 
trajectory into future rates. When the utility has to pursue a 
series of annual rate cases, the incentive to minimize costs is 
greatly reduced. Costs incurred in one year may become the 
basis for the costs that the utility will be authorized to recover 
in the next annual rate case. 

The conventional regulatory model has focused on preventing 
utilities from using market power to charge unreasonable 
or discriminatory prices or provide inadequate service. 
While minimizing the impacts of market power is important, 
encouraging utilities to innovate and discover more efficient 
ways to deliver value to their customers can create much 
larger economic benefits. Regulators can — and when the 
problems are sufficiently large and transparent, will — disallow 
the recovery of costs for a failure of management to meet 
industry standards. However, regulators generally do not 
have the information to determine whether a utility has taken 
advantage of available opportunities to reduce costs. It is very 
difficult to mandate that a firm actively seek out and discover 
more efficient ways to operate. Incentives therefore play a 
critical role in creating dynamic efficiency improvements. 

When a utility has to file frequent rate cases, it has little 
opportunity to benefit from any cost savings that might result 
from efficiency improvements. Cost reductions would be 
rapidly passed on to consumers through reduced revenue 
requirements in the next rate proceeding. Moreover, innovation 
may introduce regulatory risk. If a new system fails to perform 
as expected, the utility might face a risk of its costs being 
disallowed. Alternatively, if an innovative project succeeds, 
the utility might be challenged for not implementing the 
improvement more broadly or rapidly. In competitive markets, 
firms have an opportunity to earn higher profits when 
innovation delivers greater value to their customers. However, 
even when the results exceed expectations, utilities are seldom 
rewarded for assuming the risks associated with innovation. 
Alternatively, a utility may minimize its risk of disallowance 
by waiting until it can demonstrate that a new approach has 
been successfully implemented elsewhere and piloted on its 
own system.

Lengthy Approval Cycles
While firms in competitive markets can rapidly innovate, learn, 
and, if necessary, redirect their efforts, a regulated utility may 
need to cycle through a lengthy regulatory review process and 
justify changes from previously approved practices. If a utility 
wants to implement an improvement, it may need to: 

  Gather data based on where the proposed system has  
been implemented elsewhere;

  Engage in its own testing to demonstrate compatibility  
with its legacy systems;

 Propose a pilot program for regulatory approval;

  Secure approval for the costs of the pilot in one rate case;

  Implement and evaluate the pilot program, during  
which time one or more additional rate case cycles  
may have occurred;

  Present the results of the pilot and propose rollout of the 
system in one or more subsequent proceedings;

  Secure approval for the costs of rolling out the proposed 
system in these subsequent rate proceedings; and

 Thereafter implement the system.

The time between when the utility identifies a valuable 
commercial innovation and when it can begin full 
implementation can stretch to as long as a decade.  
Delays inherent in the need to secure regulatory approval  
can impose significant costs and deter innovation.
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Alternative Regulatory Models
Some alternative regulatory models tend to provide greater 
support for new investment. These approaches may involve 
prior regulatory review of utility plans. They also may 
be conditioned on utility commitments to make specific 
improvements. These alternative models include: 

  Annual rate cases with a forecast test year: In some 
jurisdictions, the utilities forecast their investment 
expenditures based on prior planning reviews. By using  
these forecast values in annual rate proceedings, the utilities 
and their regulators can minimize the impact of regulatory 
lag. However, frequent regulatory involvement can make this 
approach administratively burdensome. Examples in which 
this approach has supported investment include the Public 
Service Commission of Wisconsin with its biennial Strategic 
Energy Assessment and annual rate cases and the Iowa 
Utilities Board’s pre-construction approvals of  
new generation.34 

  Capital expenditure trackers: A tracker is a separate 
rate-adjustment mechanism that allows for the recovery 
of specific costs outside of the conventional rate case 
process. Historically, tracker mechanisms were reserved 
for significant and volatile costs, such as fuel, which 
are largely outside of the utility’s control. More recently, 
however, some states have permitted accelerated recovery 
of specific capital expenditures outside of a cost of service 
rate case. For example, Pennsylvania’s Distribution System 
Improvement Charge allows accelerated recovery of costs 
associated with improved service reliability.35 

  Formula rates: In this approach, a specific formula for 
setting rates is established in advance by statute or a prior 
commission order. The utility then files its cost data and the 
information used to determine its allowed rate of return 
in a standardized format. Costs may be subject to review 
based on whether the expenditures were prudent. Examples 
of formula rates include the Federal Energy Regulatory 
Commission’s transmission rates and the Illinois Energy 
Infrastructure Modernization Act.

These approaches can support investment in instances where 
there is a constructive relationship between the utility and its 
regulator. However, they may involve a high level of regulatory 
oversight. They also offer limited incentives for the utility to 
reduce its costs and share any cost savings with consumers.  
For example, cost trackers have been criticized for diminishing 
incentives to reduce waste and cost inefficiency.36 Similarly, 
formula rate statutes have been opposed by regulators on 
grounds that they limit regulators’ ability to balance the 
interests of utilities and consumers, and discourage cost 
efficiency and productivity improvements.37 

Other alternative models are designed to provide strong 
incentives for electric utilities to reduce costs. These include 
multi-year revenue and price caps. Under these models, 

changes in utility revenues or rates may be indexed to inflation 
and adjusted for a targeted rate of productivity improvements 
and any extraordinary costs. Alternatively, the regulator may 
set annual step changes or freeze revenues or rates for the 
duration of the rate plan. These multi-year rate plans can 
promote cost reduction by enabling the utility to share in any 
cost savings during the years covered by the plan. However, in 
the absence of strong reliability standards or incentives, they 
have been associated with a reduction in utility operations 
and maintenance spending and an increase in the average 
duration of customer outages.39 Additionally, unless the 
multi-year plan is tied to a reasonable utility business plan for 
new investment and changes in its operations, the revenue 
or rate cap will not support needed capital investments. 
Accordingly, some commissions have experimented with 
caps and then returned to more conventional cost of service 
regulation.38 

Modern regulation needs to balance 
utility and consumer interests while 
providing incentives for utilities to 
improve efficiency, innovate, deliver long-
term value to customers, and educate 
consumers on new services along the 
way. The question facing regulators and 
policy makers is whether in the current 
environment the cost of service model 
can fulfill these missions.

Design Criteria for a  
New Regulatory Model

Cost of service regulation sought to ensure that utilities would 
provide adequate service and would not charge unreasonable 
or discriminatory rates. It is possible to debate the success of 
regulation in achieving these narrow objectives. However, a 
broader perspective would consider how best to improve 
performance in the future. Today’s electric utilities have average 
asset utilization rates below 50%,40 spend 0.2% of revenues on 
research and development,41 and are experiencing major 
service outages at a rate more than double their historical 
frequency.42 

These are not the characteristics of successful companies 
in competitive markets. Asset utilization rates in the electric 
sector are far below the levels typical of other capital intensive 
industries, which are often 75% or greater.43 The rate of utility 
spending on research and development is less than one-tenth 
the average rate for all sectors of the U.S. economy and a much 
smaller fraction of the rate in the most productive sectors.44 If 
policymakers wish to ensure an affordable, resilient, secure, 
and sustainable energy future, then they should consider how 
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the current regulatory model might evolve to more effectively 
address a set of economic and policy objectives that extend 
beyond regulation’s traditional objectives. 

A policy review might start with the widely accepted premise 
that regulation should seek to produce results comparable 
to those that would emerge from an efficient competitive 
market – were such a market feasible. This implies a regulatory 
model that: supports investments and expenditures that deliver 
greater value to customers; incentivize efficiency while returning 
a portion of the resulting cost savings to customers; and 
encourages innovation and adoption of innovative practices 
from other sectors. Other implications might include:

Service classifications that reflect the ability to deliver higher 
levels of reliability in portions of the grid and that would 
allocate the costs to customers who value and are willing to 
pay for more reliable or resilient service.

  A balanced treatment of customer-owned generation and 
standby distribution rates that reflects the system and 
reliability benefits of integrating distributed resources into the 
planning and operation of networked distribution systems, but 
also appropriately allocates fixed distribution costs to these 
customers.45

  Dynamic competitive prices that are transparent and made 
available in a manner that facilitates efficient automated 
responses by devices in customers’ homes and businesses.46 

Efficient, competitive, real-time wholesale power markets exist 
across much of the U.S. Significant benefits could be gained 
by making expected prices in these markets, together with 
any adjustments needed for the operation of local distribution, 
available to any device, anywhere, all the time, and at a minimal 
cost. Most devices that use electricity either have thermal 
inertia (e.g. heating, cooling, water heating, and refrigeration) 
or operating flexibility (e.g. industrial pumping loads and batch 
processes, pool pumps, dishwashers, clothes dryers, electric 
vehicle chargers, and battery-powered devices) and could 
automatically adjust the timing of their electricity use without 
materially impacting the consumer’s experience. Existing low-
cost technology could enable devices to receive, authenticate, 
and select a broadcast price signal that is appropriate for each 
device’s location. Influencing the timing of electricity use in 
this way could improve asset utilization, reduce investment 
requirements and customer costs, enhance system resilience, 
and facilitate the integration of variable renewable resources.47 
 
Regulation will also need to address emerging public 
policy issues, such as cyber security. Within each of North 
America’s three large interconnections, electricity is produced, 
transmitted, and consumed in virtually the same the instant. 
As a result, the cyber security of a single utility’s systems can 
impact the security a larger regional power grid. The 2003 
Northeast blackout, while “not linked to malicious activity,” 
was an example of “the failure of a software program,” which 

left operators unaware of current system conditions, and 
“significantly contributed” to a region-wide power outage.48 
The 2003 blackout impacted more than 50 million people 
and cost the U.S. economy an estimated $6 billion, thereby 
demonstrating how an isolated incident can have wide impacts 
across the grid.49

Regulation should also account for the range of system and 
public benefits associated with a distribution grid that can 
effectively integrate renewable and distributed generation. 
Customer-sited generation may directly benefit the host 
customer and, if properly configured, provide that customer 
backup service in the event of an outage. Meanwhile, the 
integration of such generation into distribution operations can 
also provide reliability and system benefits. Integrating these 
resources provides additional options for serving loads when 
parts of the system reach capacity or lines are out of service. 
In some circumstances, a local generator could permit a 
distribution circuit serving multiple customers to function  
as a microgrid and remain operational if separated from  
the larger system. 

Moreover, to the extent distributed generation permits 
high-value loads (e.g., public safety, medical care, 
telecommunications, water, fuel) to remain operational during 
an outage, the utility will be able to more efficiently restore 
service for other customers. Finally, a distribution system that 
is efficient and able to integrate rooftop PV and distributed, 
high-efficiency combined heat and power applications provides 
important options for transitioning to a low-carbon economy. 
Although there will be complex questions regarding how to 
allocate costs and when and how to develop distribution level 
markets, integrating these resources into distribution operations 
could provide important benefits to the utility and its customers.

To promote greater integration of renewable and distributed 
generation, utilities and their regulators will need to agree on 
a mechanism that supports needed investments and provides 
distribution utilities a reasonable opportunity to recover their 
largely fixed costs. This may involve a greater portion of costs 
being recovered through fixed customer or demand charges 
in combination with rate adjustments that decouple fixed-cost 
recovery from sales.

Lastly, as the industry moves to address new challenges, 
regulators can facilitate greater stakeholder understanding 
of new issues, encourage broad public input, and more fully 
consider the value of utility services to customers. Regulators 
can advance the consideration of these issues by convening 
public workshops or initiating collaborative processes 
through which citizens and stakeholders can gain a common 
understanding of issues, and discuss alternatives in an informal 
setting prior to having to take a position in a regulatory 
proceeding. 
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Results-Based Regulation: 
An Emerging Regulatory Model
A model that meets these objectives would provide utilities the 
opportunity to earn reasonable returns by delivering value to 
customers. It would remain affordable by encouraging improved 
efficiency and innovation, and it would incorporate incentives for 
both cost savings and performance on multiple customer and 
public policy metrics. Results and innovation would translate 
into earnings. 

This is not to suggest that an emerging model would ignore 
costs. A review of utility costs or existing rates may provide a 
central component in setting the initial rates in a results-based 
approach. However, a model designed to meet the objectives 
discussed in the preceding section would be more forward-
looking. It would place a greater emphasis on providing the 
right incentives for cost savings, efficiency, and performance, 
recognizing that regulators will seldom have enough 
information to effectively review whether a utility’s  
management has made the best possible decisions. 

In considering how to update the regulatory model, policy 
makers can draw on regulatory experience with capital 
investment cost trackers – in which the utility presents and the 
regulator approves an investment plan – and other planning 
reviews. Policy makers can consider lessons from multi-year 
revenue caps that have provided significant incentives for cost 
savings. They can seek to match the incentives in competitive 
markets for delivering long-term value to customers. In 
competitive markets, these incentives include rewards that 
provide an opportunity to earn profits in excess of the firm’s cost 
of capital, as well as penalties. 

A results-based model could be based on regulators approving: 
multiple year revenues to support a forward-looking utility 
business plan; a mechanism for sharing any cost savings with 
customers; and output-based performance incentives. These 
performance incentives can be selected to reflect different 
consumer preferences and public policies in each jurisdiction. 
Examples might include: 

A share of the value of the uninterrupted 
service50 from outages avoided as a result of 
grid modernization;51 

A share of savings from optimizing voltage 
on the distribution system, dynamic pricing 
strategies, and energy efficiency programs;

A share of the reduction in social costs 
associated with improvements in environmental 
performance;52 

Ratings based on independent testing of  
cyber security defenses and assessments of 
cyber governance;53 

Results of customer satisfaction surveys; 

Performance in implementing programs  
that enable economically disadvantaged 
customers to afford service.

 Performance in interconnecting distributed 
generation and integrating electric vehicles; and

In a competitive market, multiple firms innovate 
simultaneously as they compete to deliver value to customers. 
This combination of competition and innovation can produce 
improvements in efficiency and customer value that are 
difficult to approximate in a regulated environment. However, 
a results-based model could include competitive solicitations 
that allow third parties to propose innovative projects and 
funding for the demonstration and implementation of new 
technologies that reduce costs, improve performance, or 
advance policy objectives.  

 

A results-based model fundamentally 
shifts the focus of regulation from 
the reasonableness of historically 
incurred costs to the pursuit of long-
term customer value. An efficient and 
sustainable future requires a regulatory 
model that enables utilities to effectively 
meet today’s challenges.

Conclusion

Cost of service regulation was developed more than a 
century ago to support the build-out of the electric grid in 
an industrializing economy. It was not designed for meeting 
customer demands in today’s economy. With the low cost of 
natural gas holding down generation prices and the beginning 
of an economic recovery, a window of opportunity now exists 
to seek agreement on a new approach to making needed 
investments. 

A results-based regulatory model can provide support for 
new investments that meet customer expectations and policy 
objectives, incorporate incentives for cost savings, and provide 
a means to share a portion of such savings with customers. 
Results-based regulation can incentivize innovation and the 
delivery of value for dollars expended.  It can enable utilities to 
complete the transition from an industrial model of distributing 
electricity as a commodity, to a service-based model in which 
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the distribution system operator becomes a key defender 
of critical infrastructure, an efficient integrator of variable 
resources located closer to the customer, a trusted advisor to 
its customers, and a provider of additional energy services.

In results-based regulation, the regulator is effectively 
contracting with the utility for the achievement of specific 
objectives, providing incentives for the utility to do so 
efficiently, returning to customers a portion of any utility cost 
savings, and limiting its own backward-looking review of the 
specific costs the utility incurred to achieve those objectives. It 
could restore strong incentives for cost savings and efficiency 
that otherwise would be absent in an environment in which 
frequent rate cases may be needed to support investment and 
meet new requirements.

In making a transition to a results-based approach, policy 
makers should consider gathering input from a broad range of 
stakeholders. The Massachusetts Department of Public Utilities 
recently engaged stakeholders through a Grid Modernization 
Working Group to consider needed investments and changes 
in the state’s regulatory framework. While the working group 
did not reach consensus on every issue, stakeholder concerns 
were identified and new approaches were outlined for the 
Department to consider. Moreover, a majority of participating 
organizations agreed on the broad outline of a new regulatory 
model to advance grid modernization.54 Separately, customer 
surveys and voice-of-customer interviews can be used in 
setting or periodically adjusting the value of uninterrupted 
service and other performance metrics. 

In implementing a results-based model for the first time, 
regulators could limit the potential consequences for both 
customers and the utility. For example, regulators could 
mitigate risks to both customers and the utility by using a 
progressively tiered earnings sharing mechanism. With a tiered 
earnings sharing formula, the percentage of earnings shared 
with customers could increase with the amount by which 
the utility’s actual return on equity exceeds authorized levels. 
Similarly, the utility might be protected from a confiscatory 
result by consumers paying an increasing percentage of 
additional costs as actual earnings fall below authorized levels. 

A results-based model fundamentally shifts the focus of 
regulation from the reasonableness of historically incurred 
costs to the pursuit of long-term customer value. The 
development of an affordable, resilient, and sustainable 
twenty-first century power system will take time. The 
utility’s business plan, the level of allowed revenues, and the 
structure of incentives in a results-based model will change 
as new opportunities develop. Reaching for an efficient 
and sustainable future will require a more forward-looking 
regulatory model that has been designed to enable utilities to 
meet today’s challenges.
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Regulators in the U.S. are not the first to address the issues highlighted 
in this paper. The utility regulator in the United Kingdom (U.K.), the Office 
of Gas and Electric Markets (Ofgem)—after extensive consultation with 
stakeholders and a multi-year review—is implementing a new model for 
regulating network companies. Ofgem’s new approach is called “RIIO,” 
or “Revenue set to deliver strong Incentives, Innovation and Outputs.” 
RIIO is an incentive-based framework that seeks to mimic the effects of 
competitive markets by linking revenue to output metrics, innovation, and 
cost savings. It encourages transmission and distribution utilities to focus 
on delivering long-term value to customers for dollars expended. RIIO’s 
major components include:

 Revenues set based on a review of the utility’s business plan:  
The revenue that the utility will be allowed to recover is set based on  
a review of the utility’s business plan including benchmarking of  
planned operating expenses and an engineering assessment of  
capital expenditures. 

  Multi-year revenue cap: The multi-year plan provides an incentive for 
the utility to pursue efficiency improvements by providing the utility 
an opportunity to retain a portion of any cost savings. By extending 
the time period during which a rate plan would be in place from five to 
eight years, Ofgem sought to more closely align rate plans with utilities’ 
long-term planning and encourage innovation that would produce cost 
savings for customers.

  Cost savings shared with customers: RIIO includes an earnings sharing 
mechanism with large sharing factors. To the extent a utility’s actual 
earnings exceed its authorized return, 50% to 60% is refunded to 
customers. Symmetrically, if costs are higher than anticipated and 
earnings fall below the authorized level, the utility may have to absorb 
up to 50% of the loss in earnings. The precise sharing percentage can 
vary among utilities based on the regulator’s assessment of the utility’s 
cost projections. 

  Clearly defined result metrics and output incentives: Ofgem has 
proposed or adopted performance incentives related to:

 >  The frequency and duration of outages: Incentives will be based on 
studies of the value customers place on uninterrupted service.

 >  Customer satisfaction: Incentives may include an up to 1% up 
or down adjustment in revenue based on customer surveys, 
and an additional incentive of up to 0.5% of revenue based on 
an independent panel’s assessment of the utility’s stakeholder 
engagement practices.

 >  Environmental impacts: Incentives may be based on reductions in 
the visual impact of power lines (undergrounding) and reductions in 
greenhouse gas emissions including leakage of sulfur hexafluoride 
(SF6), a potent greenhouse gas used in insulating transformers and 
other electrical equipment.

 >  Social obligations: Incentives will address issues of fuel poverty and 
service to vulnerable customers. 

 >  Timing and efficiency in connecting customers: New customers 
receive electric service from competitive suppliers.

 >  Meeting worker and public safety standards.

Output metrics and incentives may be adjusted by the regulator during 
the rate plan with adjustments applied to the remaining years of the plan. 

  Application of the revenue cap to total expenditures: At the start of  
the rate plan, the regulator fixes the percentage of revenue that will be 
recovered in each rate year with the residual being capitalized. Once 
this ratio is established at the beginning of the plan, it does not change 
based on the nature of the utility’s actual expenditures. The utility has 
the flexibility to incorporate learning and modify its spending plans in a 
manner that meets its output objectives as efficiently as possible.  
An annual rate adjustment aligns revenue to authorized levels.

  Innovation programs: Ofgem is funding innovation programs for  
piloting large projects, small projects, and the rollout of proven solutions, 
which enable third parties to partner with the utility to deliver cost 
savings, carbon reductions, or other environmental benefits. Multiple 
rounds of funding will be dispersed by an expert panel.

  Limited revenue reopeners: While Ofgem’s general approach is to 
require utilities to manage business risks, it may define circumstances 
in which rate plans may be reopened in order to address changes in 
underlying economic assumptions or unknowns such as new cyber 
security requirements.

  End-of-period adjustments: Ofgem will track asset health and 
implement an additional positive or negative incentive at the end to  
the rate plan to ensure that assets have been appropriately maintained, 
replaced, or upgraded. Ofgem also may allow recovery near the end of 
the rate plan for investments designed to produce benefits during the 
next rate plan. Ofgem may also allow utilities to carry forward into the 
next rate plan a share of cost savings realized near the end of 
the current plan.

RIIO is an example of a regulatory authority attempting to balance 
incentives for cost savings and innovation with performance on specific 
output metrics. In many respects, Ofgem was dealing with concerns 
comparable to those facing U.S. regulators. The U.K. power industry faces 
aging infrastructure, a changing generation mix with increased reliance 
on variable renewable generation, and limited cash flow. Ofgem sought 
to engage consumers in defining desired results and ensure that utilities 
would provide long-term value for dollars expended. It also recognized 
that accelerating innovation could play a key role in making power and 
energy affordable, as well as to meet the nation’s climate objectives. 

The U.K. is in the early stages of implementing RIIO, but the first RIIO plans 
for electric transmission and gas companies are already in place. Rate 
plans for the electric distribution utilities are currently being reviewed 
by Ofgem, with the first RIIO plans for electric distribution companies 
scheduled for approval in February 2014. However, both utility and 
Ofgem regulatory staff seem to agree that RIIO is providing meaningful 
incentives for achievement of appropriate objectives.

In implementing RIIO, the U.K. is building on 20 years of experience with 
price cap regulation. Both the regulator and utilities had accumulated 
the skills and tools which helped them develop a long-term performance 
based rate mechanism. The U.K. also lacks a history of contentious rate 
case litigation. Nonetheless, the core concept that results and innovation 
should translate into earnings deserves attention from U.S. policy makers. 

U.K. Case Study
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